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(57) ABSTRACT

A system for metering flow of a fluid has a vibratable
flowtube for receiving a multiphase fluid flow. A driver is
configured to vibrate the flowtube. A pair of sensors is
configured to detect movement of the flowtube at different
locations on the flowtube. Pressure and temperature sensors
are configured to measure a pressure of the fluid. One or
more processors are configured to use a phase difference
between the sensor signals to determine a fluid flow rate
through the flowtube. The one or more processors are further
configured to determine an amount of dissolved gas in the
multiphase fluid using the pressure, the temperature, and the
relative amounts the multiple liquids in the multiphase fluid.
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1
SYSTEMS AND METHODS FOR
MULTIPHASE FLOW METERING
ACCOUNTING FOR DISSOLVED GAS

CROSS REFERENCE TO RELATED
APPLICATION

This application is a divisional of U.S. patent application
Ser. No. 14/634,521, filed Feb. 27, 2015, now U.S. Pat. No.
9,863,798 entitled “SYSTEM AND METHODS FOR
MULTIPHASE FLOW METERING ACCOUNTING FOR
DISSOLVED GAS,” the entire contents of which are incor-
porated herein by reference.

FIELD OF INVENTION

The present invention relates generally to flowmeters and
more specifically to Coriolis flowmeters that are adapted to
measure multiphase fluids.

BACKGROUND

Various different flowmeters are used in industry to pro-
vide information about the flow rate of multiphase fluids.
The fluids that are metered can include mixtures of liquids
and gases. This situation is commonly encountered in the oil
and gas industry, where the fluids produced are commonly
a mixture of oil, water, and gas. However, the need to meter
multiphase fluids also occurs in other industries as well.

One type of flowmeter is a Coriolis flowmeter. A Coriolis
flowmeter includes an electronic transmitter and a vibratable
flowtube through which fluid to be metered can be passed.
The transmitter maintains flowtube vibration by sending a
drive signal to one or more drivers and performs measure-
ment calculations based on signals from a pair of sensors
that measure movement of the flowtube. The physics of the
device dictate that Coriolis forces act along a section of the
flowtube between the sensors, resulting in a phase difference
between the generally sinusoidal sensor signals. This phase
difference is generally proportional to the mass flow rate of
the fluid passing through the measurement section of the
flowtube. Thus, the phase difference provides a basis for a
mass flow measurement of fluid flowing through the flow-
tube. The frequency of oscillation of the flowtube of a
Coriolis meter varies with the density of the process fluid in
the flowtube. The frequency value can be extracted from the
sensor signals (for example by calculating the time delay
between consecutive zero crossings) so that the density of
the fluid can also be obtained by analyzing the sensor
signals.

Coriolis meters are widely used throughout various dif-
ferent industries. The direct measurement of mass flow is
frequently preferred over volumetric-based metering, for
whereas the density and/or volume of a material may vary
with temperature and/or pressure, mass is unaffected. This is
particularly important in the oil and gas industry, where
energy content and hence product value is a function of
mass. The term ‘Net Oil’ is used in the oil and gas industry
to describe the oil flow rate within a three-phase or a liquid
(oil/water) stream. A common objective in the oil and gas
industry is to determine the net oil produced by each well in
a plurality of wells because this information can be impor-
tant when making decisions affecting production from an oil
and gas field and/or for optimizing production from an oil
and gas field.

The inclusion of gas in a liquid stream introduces errors
in the mass flow and density measurements of a Coriolis
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meter. Laboratory trials can be used to characterize how
mass flow rate and density errors relate to other parameters,
such as the observed flow rate and observed reduction in
density from that of the pure fluid. These trials can be used
to develop empirical models that provide corrections to
account for some of the error associated with the presence of
multiphase fluids including gas and liquid phases. These
empirically-based corrections can result in improved per-
formance of Coriolis meters in field operations. Additional
details concerning use of a Coriolis meter to meter multi-
phase fluids are provided in U.S. Pat. Nos. 6,311,136;
6,505,519; 6,950,760; 7,059,199; 7,313,488; 7,617,055; and
8,892,371, the contents of which are hereby incorporated by
reference.

The present inventors have made various improvements,
which will be described in detail below, applicable to the
field of Coriolis flowmeters and applicable to the field of net
oil and gas testing.

SUMMARY

One aspect of the invention is a system for metering flow
of'a fluid. The system has a vibratable flowtube for receiving
a multiphase fluid flow. A driver is configured to vibrate the
flowtube. A pair of sensors are positioned to detect move-
ment of the flowtube at different locations on the flowtube
and output sensor signals indicative of the detected move-
ment. A pressure sensor is positioned to measure a pressure
of the multiphase fluid. A temperature sensor is positioned to
measure a temperature of the fluid. One or more processors
are configured to receive the sensor signals, determine a
phase difference between the sensor signals, and use the
determined phase difference to determine a fluid flow rate
through the flowtube. The one or more processors are further
configured to receive a signal from the pressure sensor
indicative of the pressure of the multiphase fluid in the
flowtube, receive a signal from the temperature sensor
indicative of the temperature of the multiphase fluid in the
flowtube, receive a signal from a meter indicative of relative
amounts of multiple different liquids in the multiphase fluid;
and determine an amount of dissolved gas in the multiphase
fluid using the pressure, the temperature, and the relative
amounts the multiple liquids in the multiphase fluid.

Another aspect of the invention is a system metering flow
of'a fluid. The system has a vibratable flowtube for receiving
a multiphase fluid including multiple liquids and a gas. A
driver is configured to vibrate the flowtube. A pair of motion
sensors are positioned to detect movement of the flowtube at
different locations on the flowtube and output sensor signals
indicative of the detected movement. A pressure sensor is
positioned to measure a pressure of the multiphase fluid. A
temperature sensor is positioned to measure a temperature of
the fluid. The system has one or more processors configured
to receive a signal from the pressure sensor indicative of the
pressure of the multiphase fluid in the flowtube, receive a
signal from the temperature sensor indicative of the tem-
perature of the multiphase fluid in the flowtube, receive a
signal from a meter indicative of relative amounts of the
multiple different liquids in the multiphase fluid, and deter-
mine fluid flow rates for each of the multiple different liquids
using a mapping between a plurality of inputs and the fluid
flow rates of the different liquids. The inputs include a phase
difference between the motion sensor signals, a frequency of
at least one of the motion sensors signals, the signal from the
temperature sensor, the signal from the pressure sensor, and
the signal from the meter indicative of the relative amounts
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of the multiple different liquids. The mapping accounts for
solubility of the gas in the multiple different liquids.

Yet another aspect of the invention is a net oil and gas skid
for use characterizing the output from one or more petro-
leum wells. The net oil and gas skid includes a vibratable
flowtube for receiving a multiphase fluid from one or more
petroleum wells. A driver is configured to vibrate the flow-
tube. A pair of sensors is positioned to detect movement of
the flowtube at different locations on the flowtube and output
sensor signals indicative of the detected movement. A tem-
perature sensor is positioned to measure a temperature of the
multiphase fluid. A pressure sensor positioned is to measure
a pressure of the multiphase fluid. The net oil and gas skid
includes a water cut meter adapted to measure relative
amounts of oil and water in the multiphase fluid. One or
more processors are configured to receive the sensor signals,
determine a phase difference between the sensor signals, and
use the determined phase difference to determine a fluid flow
rate through the flowtube. The one or more processors are
further configured to receive a signal from the water cut
meter indicative of relative amounts of oil and water in the
multiphase fluid, determine a density of the multiphase fluid
in the flowtube using the sensor signals; and determine an
amount of dissolved gas in the multiphase fluid using the
temperature and pressure of the multiphase fluid.

Still another aspect of the invention is a method of
metering flow of a multiphase fluid. The method includes
vibrating a flowtube while the multiphase fluid flows
through the flowtube. A pair of sensors is used to detect
movement of the flowtube at different locations on the
flowtube. A flow rate is determined based on a phase
difference between signals from the sensors. A temperature
and pressure of the multiphase fluid are measured. Relative
amounts of multiple different liquids in the multiphase flow
are measured. An amount of dissolved gas in the multiphase
fluid is determined using the temperature and pressure of the
fluid.

Another aspect of the invention is a method of determin-
ing mass flow rate and density error corrections to compen-
sate for errors associated with flow of a multiphase fluid
through a Coriolis meter. The method includes: (i) flowing
a multiphase fluid through the Coriolis meter; (ii) using
reference meters to measure the amount of liquid and total
gas in the multiphase fluid; and (iii) recording the response
of the Coriolis meter to the multiphase fluid. The composi-
tion of the multiphase fluid is changed by changing the
relative proportions of gas and liquid in the multiphase fluid
and steps (i)-(iii) are repeated to generate empirical data
characterizing the response of the Coriolis meter to multi-
phase fluid. A gas solubility model is used to determine how
much of the total gas was in the form of free gas as the
multiphase fluid flowed through the Coriolis meter. The
response of the Coriolis meter is mapped to the amount of
free gas in the multiphase fluid as determined by the gas
solubility model to obtain the mass flow rate and density
corrections.

Other objects and features will be in part apparent and in
part pointed out hereinafter.

BRIEF DESCRIPTION OF THE DRAWINGS

FIG. 1 is a perspective of one embodiment of a Coriolis
flowmeter;

FIG. 2 is a side elevation of the Coriolis flowmeter shown
in FIG. 1;

FIG. 3 is a schematic diagram of one embodiment of a
Coriolis flowmeter processor showing its inputs and outputs;
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FIG. 4 is a schematic diagram of one embodiment of a
system for generating empirical data associated with multi-
phase flow through the Coriolis meter;

FIG. 5 is a schematic diagram of another embodiment of
a system for generating empirical data associated with
multiphase flow through the Coriolis meter;

FIG. 6 is a chart plotting the drive gain vs. nominal gas
volume fraction (GVF) for a set of data from a Coriolis
meter while metering a mixture of gas and water;

FIG. 7 is a chart plotting density drop vs. nominal gas
volume fraction (GVF) for a set of data from a Coriolis
meter while metering a mixture of gas and water;

FIG. 8 is a chart plotting mass flow rate error vs. nominal
gas volume fraction (GVF) for a set of data from a Coriolis
meter while metering a mixture of gas and water;

FIG. 9 is a chart plotting density error vs. nominal gas
volume fraction (GVF) for a set of data from a Coriolis
meter metering a mixture of gas and water;

FIG. 10 is a chart plotting the drive gain vs. nominal gas
volume fraction (GVF) for a set of data from a Coriolis
meter while metering a mixture of gas and oil that causes the
actual GVF to differ significantly from the nominal GVF;

FIG. 11 is a chart plotting density drop vs. nominal gas
volume fraction (GVF) for a set of data from a Coriolis
meter while metering a mixture of gas and oil that causes the
actual GVF to differ significantly from the nominal GVF;

FIG. 12 is a chart plotting mass flow rate error vs. nominal
gas volume fraction (GVF) for a set of data from a Coriolis
meter while metering a mixture of gas and oil that causes the
actual GVF to differ significantly from the nominal GVF;

FIG. 13 is a chart plotting density error vs. nominal gas
volume fraction (GVF) for a set of data from a Coriolis
meter metering a mixture of gas and oil that causes the actual
GVF to differ significantly from the nominal GVF;

FIG. 14 is a schematic diagram illustrating one embodi-
ment of system for obtaining multiphase flow rate and
density corrections for a Coriolis meter;

FIG. 15 is a schematic diagram of one embodiment of a
method of training and using a neural network to obtain
multiphase flow rate and density corrections for a Coriolis
meter;

FIG. 16 is a schematic diagram illustrating another
embodiment of a system for obtaining multiphase flow rate
and density corrections for a Coriolis meter;

FIG. 17 is a schematic diagram illustrating another
method of training and using a neural network to obtain
multiphase flow rate and density corrections for a Coriolis
meter;

FIG. 18 is a chart showing a relationship between pres-
sure, temperature, and the solution gas-oil ratio (R,);

FIG. 19 is a chart showing a relationship between pres-
sure, temperature, and the formation volume factor (B,);

FIG. 20 is a front elevation of one embodiment of a net
oil and gas skid including the Coriolis flowmeter of FIGS.
1 and 2;

FIG. 21 is a side elevation of the net oil and gas skid
shown in FIG. 20;

FIG. 22 is a schematic diagram of one embodiment of a
flow conditioner in the net oil and gas skid shown in FIGS.
20 and 21; and

FIG. 23 is a schematic diagram illustrating one embodi-
ment including the net oil and gas skid illustrated in FIGS.
20 and 21 in combination with a compact separation system
to facilitate metering fluids with relatively high gas volume
fraction (GVF).

Corresponding reference numbers indicate corresponding
parts through the drawings.
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DETAILED DESCRIPTION

One embodiment of a Coriolis flowmeter, generally des-
ignated 215, is illustrated in FIGS. 1 and 2. The flowmeter
215 includes one or more conduits 18, 20 (also referred to
as a flowtube), one or more drivers 46a, 465 for driving
oscillation of the conduit(s), and a pair of motion sensors
48a, 48b that generate signals indicative of the oscillation of
the conduit(s). In the illustrated embodiment, there are two
conduits 18, 20, two drivers 46a, 465, and two motion
sensors 48a, 48b, and the drivers and motions sensors are
positioned between the conduits so each driver and motion
sensor is operable for both of the conduits. It is understood,
however, that a Coriolis flowmeter may have only a single
conduit and/or may have a single driver. It is also understood
the conduit(s) may have different configurations than the
conduits 18, 20 in the illustrated embodiment.

As illustrated in FIGS. 1 and 2, the flowmeter 215 is
designed to be inserted in a pipeline (not shown) having a
small section removed or reserved to make room for the
flowmeter. The flowmeter 215 includes mounting flanges 12
for connection to the pipeline, and a central manifold block
16 supporting the two parallel planar loops 18 and 20 which
are oriented perpendicularly to the pipeline. The drivers 46a,
465 and sensors 48a, 48b are attached between each end of
loops 18 and 20. The drivers 46a, 465 on opposite ends of
the loops 18, 20 are energized by a digital controller (not
shown) with current of equal magnitude but opposite sign
(i.e., currents that are 180° out-of-phase) to cause straight
sections 26 of the loops 18, 20 to rotate about their co-planar
perpendicular bisector 56 (FIG. 2). Repeatedly reversing
(e.g., controlling sinusoidally) the energizing current sup-
plied to the drivers 46a, 465 causes each straight section 26
to undergo oscillatory motion that sweeps out a bow tie
shape in the horizontal plane about the axis 56 of symmetry
of the loops. The entire lateral excursion of the loops 18, 20
at the lower rounded turns 38 and 40 is small, on the order
of Yis of an inch for a two foot long straight section 26 of
a pipe having a one inch diameter. The frequency of oscil-
lation is typically about 80 to 90 Hertz, although this can
vary depending on the size and configuration of the flowtube
(s).

The sensors 48a, 485 are positioned to detect movement
of the flowtube at different locations on the flowtube and
output sensor signals indicative of the detected movement.
As will be understood by those skilled in the art, the Coriolis
effect induces a phase difference between the two sensors
48a, 48b that is generally proportional to mass flow rate.
Also, the resonant frequency of the loops 18, 20 will vary as
a function of density of the fluid flowing therethrough. Thus,
the mass flow rate and density can be measured by analyzing
the signals from the sensors 48a, 485. The Coriolis meter
215 has a processor 101 (FIG. 3) configured to receive the
sensor signals from the sensors 48a, 485, determine a phase
difference between the sensor signals, and use the deter-
mined phase difference to determine a fluid flow rate through
the flowtube. The processor 101 is also configured to deter-
mine a frequency of one or more of the sensor signals and
use the determined frequency to determine a density of the
fluid in the flowtube.

Various corrections can be applied to the basic measure-
ments resulting from the phase difference between the
signals from the sensors 48a, 486 and the frequency. For
example, multiphase flow introduces highly variable damp-
ing on the flowtube, up to three orders of magnitude higher
than in single phase conditions. In addition, the mass flow
and density measurements generated under multiphase flow
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conditions are subject to large systematic and random errors,
for which correction algorithms can be defined and imple-
mented by the processor 101. Further details concerning
operation of Coriolis flowmeters are provided in U.S. Pat.
Nos. 6,311,136; 6,505,519; 6,950,760; 7,059,199; 7,188,
534; 7,614,312, 7,660,681; and 7,617,055, the contents of
which are hereby incorporated by reference.

As will be described in more detail below, the processor
101 is suitably configured to apply corrections that account
for the influence of dissolved gas on the measurements from
the Coriolis meter. Moreover, the processor 101 is suitably
configured to determine the amount of dissolved gas in the
fluid flowing through the flowtube. The ability to account for
the effects of dissolved gas and/or measure the amount of
dissolved gas can be important in many different types of
industries.

One important industry in which dissolved gas is a
concern is the oil and gas industry. Typically, high pressure
within an oil reservoir results in much or all of the gas being
dissolved within the oil phase. Above the bubble point
pressure all of the gas is dissolved. As pressure of the
petroleum fluid is reduced with each stage of the extraction
process, the gas phase is increasingly released from the oil
phase to become free gas. However, the oil phase typically
remains saturated with dissolved gas, the quantity of which
varies with the pressure and temperature conditions as well
as the miscibility of the particular oil and gas concerned.
Thus, there is a mass exchange between the free gas phase
and the dissolved gas phase as temperature and pressure
conditions vary throughout the extraction process. The stan-
dard in the oil and gas industry is to report flow rates at
standard temperature and pressure conditions in order to
provide consistent measurements regardless of the operating
conditions. At standard conditions, almost all gas is free gas
and there is substantially no dissolved gas.

However, dissolved gas is largely invisible to Coriolis
meters, to a first approximation. If a liquid with dissolved
gas but no free gas is passed through a Coriolis meter, the
following is observed:

(1) The density of the liquid including dissolved gas is
close to that of the pure liquid with no dissolved gas.
Standard oil industry models exist for predicting the change
in density associated with dissolved gas, which is typically
a reduction in value, and which is often referred to as the
expansion factor. This change in liquid density is typically
small compared to the density of the equivalent mixture of
oil and free gas;

(i1) The mass flow of the liquid including dissolved gas is
the sum of the mass flow rates for the liquid and gas flows,
but at the pressures commonly encountered in the oil and gas
industry, the mass of the dissolved gas is likely to be very
low compared with the mass of liquid; and

(ii1) The drive gain (which as used herein means the ratio
between the drive current (amp) and the voltage (v) of sensor
signals) required to maintain oscillation of the flowtube is an
indication of the energy needed to maintain flow tube
oscillation. The drive gain is low when pure liquids or pure
gases flow through the flowtube, but much higher (typically
by two orders of magnitude) when a multiphase fluid is in
the flowtube. Even the smallest mixture of free gas with
liquid can cause the drive gain to rise rapidly, which makes
this a key measurement in detecting of presence of free gas.
However, with dissolved gas present but with free gas
absent, the drive gain shows no significant rise.

Thus, the mass flow and density measurements from the
Coriolis meter are not significantly affected by the presence
of dissolved gas because the errors in these measurements
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are small or negligible compared to those induced by a
mixture of the same liquid with the equivalent volume of
free gas. Accordingly, conventional Coriolis meters dismiss
the effects of dissolved gas as negligible and do not attempt
to determine the amount of dissolved gas in the fluid.

Although the presence of dissolved gas in and of itself
does not influence the behavior of the Coriolis meter,
dissolved gas is actually a source of significant error from
Coriolis meters during multiphase flow. This is because
corrections to account for the presence of multiple phases in
a fluid metered by prior art Coriolis meters predominantly
use empirical models. While these models make limited use
of physical models such as correcting gas density for pres-
sure and temperature, they do not account for dissolved gas.
It has been determined that this can introduce substantial
errors in the corrected gas flow rates when applied to
conditions where there the solubility of gas in the oil phase
is different from what is was when the model data was
collected.

The Coriolis meter 215 described herein addresses this
problem. The quantity of dissolved gas is modeled or
predicted from the known physical properties of the liquid
and gas phases, together with the observed temperature and
pressure conditions. A number of standard oil industry
models provide estimates of gas solubility and the resulting
change in the fluid density. One such example is provided in
“Correlations for Fluid Physical Property Prediction”, M. E.
Vasquez and H. D. Beggs, JPT 968-70, June 1980. Another
option is to use a black oil model which provides a PVT
calculation based on bulk properties of the gas, oil and water
phases. This model is practical for oil and gas production
applications where the bulk fluid composition can change
quickly due to slugging or changes in the operating condi-
tions. A compositional model could be used instead and
would be appropriate for applications with constant com-
positions or on-line compositional measurements, such as
medical applications.

The influence of dissolved gas is taken into account
during model development, which is typically done on the
basis of data collected during laboratory trials. Here a
physical model is developed to predict how much gas has
dissolved, while only the residual free gas is used in the
development of empirical corrections for multiphase behav-
ior in the Coriolis meter and other meters (e.g. a water cut
meter). As will be shown, this can produce multiphase
models which yield corrections to mass flow and density that
are more consistent. The second area where dissolved gas is
taken into account is during real-time operation, where an
appropriate model of dissolved gas is included so that the
total gas flow (free+dissolved) can be estimated and reported
by the meter.

Thus, one advantage of the Coriolis meter 215 described
herein is that it can provide better flow rate and density
measurements during multiphase flow including a miscible
gas because of the improvements in its ability to provide
corrections to the raw flow rate and raw density measure-
ments during multiphase flow. Another advantage of the
Coriolis meter 215 is that it can produce a measurement of
dissolved gas, which can make it easier to report flow rates
at standard conditions in the oil and gas industry and which
can be desirable in other applications as well. It is not
necessary for any particular meter to achieve both of these
advantages. For example, a meter can provide the improved
flow rate and density measurements using the technology
described herein without determining and/or without out-
putting a measurement of dissolved gas, and vice-versa,
without departing from the scope of the invention.

10

15

20

25

30

35

40

45

50

55

60

65

8

Model for Multiphase Flow Corrections

A model is derived from empirical data to enable the
Coriolis meter 215 to provide corrections to raw mass flow
rate and raw density measurements to account for the effects
multiphase flow on the meter. The model is developed by
subjecting a Coriolis meter to a range of multiphase flow
conditions in order to record and model its mass flow and
density errors. The model will be described herein in refer-
ence to oil, water, and gas to provide a detailed example, but
it is understood the same process can be used with different
materials.

A three-phase oil, water, and gas mixture can be specified
in a number of ways. One way is to specify the mass flows
of'the oil, water and gas components. Here the oil and water
flows will be stated in kg/s, while the gas flow rate (at the
low operating pressures considered here) will be stated in
g/s. Another way to specify a three-phase mixture of oil,
water, and gas is to specity the total liquid flow rate for oil
and water (usually in kg/s), water cut (between 0 percent and
100 percent) and Gas Volume flow Fraction or GVF (from
0 percent up to 50 percent and beyond). When the density of
each phase is known along with temperature and pressure
conditions and there is no slip between phases it is straight-
forward to convert from one of these specifications to the
other. The first description (mass flows of each phase) can be
convenient when specifying the accuracy of final results,
while the latter description (liquid flow/water cut/GVF) can
be more convenient for describing experimental conditions,
particularly during model development. A two-phase flow of
gas and pure oil can be considered a specific case of
three-phase flow where the water cut is zero. Similarly, a
two-phase flow of gas with pure water can be considered as
another specific case of three-phase flow where the water cut
is 100 percent.

FIG. 4 shows an experimental setup for developing
empirical models of Coriolis meter mass flow rate and
density errors during multiphase flow. The Coriolis meter
under test is integrated into a net oil and gas skid 121, which
includes the Coriolis meter 215 illustrated above, along with
a pressure sensor positioned to measure a pressure of the
fluid in the flowtube, a temperature sensor positioned to
measure a temperature of the fluid in the flowtube, and a
water cut meter positioned to measure the water cut of the
fluid. A separator system 131 provides separated water and
oil streams, while a liquid nitrogen tank 133 is used to
supply gas that is mixed with the liquids to make a multi-
phase flow. Each phase is metered separately by one of a set
of single phase meters 141, before being combined and
passed through the skid 121. For each experiment per-
formed, steady conditions are established for the desired oil,
water and gas flow rates, and then the single phase reference
measurements from meters 141 are compared with the
outputs of the skid 121, averaged over the duration of the
experiment.

In a simpler alternative arrangement (FIG. 5), there is no
separation of oil and water. The water cut is selected in an
off-line procedure by replacing a calculated volume of the
current oil/water mixture with either pure water or pure oil,
depending on whether the water cut is to be increased or
decreased. Only if the new water cut is to be 0% or 100%
must the entire volume of liquid be replaced. Once the
desired water cut has been established, then a series of
experiments can be carried out with a range of flowrates and
GVF settings, where the water cut is kept constant by
continuous mixing of the storage vessel. When a new water
cut is required, the off-line procedure is repeated.
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Effects of Dissolved Gas in Model Development

In contrast to prior art models developed for Coriolis
meters, the calculation of GVF, and of mass flow and density
errors, do not rely on the assumption that no gas dissolves
into the liquid mixture.

The interaction between the specific oil, water and gas
used may result in a proportion of the gas being dissolved in
the liquid mixture. However, the solubility of the gas may
vary. For example, petroleum gas is more soluble in oil than
it is in water, which means the water cut affects the gas
solubility relative to the oil/water mixture. In the case of
lower water cuts (e.g., pure oil continuous flow, where the
mixture/emulsion consists of water droplets in o0il) gas can
go into solution more easily than it can in the case of higher
water cuts (e.g., pure water continuous flow, where the
mixture/emulsion consists of oil droplets in water). Little or
no gas may go into solution in the event of very high water
cuts.

The data in FIGS. 6-13 contrasts the behavior of the same
80 mm diameter Coriolis meter over very similar liquid
mass flow and GVF conditions, with and without gas
dissolving into the liquid. The pressure for the experiments
generating this data was relatively low (300 kPa-500 kPa
absolute), which means the gas density can often be con-
sidered negligible because it is relatively small compared to
the liquid density. The operating temperature was approxi-
mately 40° C. It is known that the impact of multiphase
mixtures on a Coriolis meter can be reduced where the fluid
viscosity is high (the relative movement of gas and liquid
within the flowtube is reduced). However, in this experiment
the viscosity of the oil was too low to dampen the impact of
multiphase flow on the Coriolis meter.

FIGS. 6-9 show, respectively, the drive gain, density drop,
mass flow error and density error from a Coriolis meter
during an experiment in which water cut was held steady at
about 100 percent (i.e., no oil) and gas void fraction was
varied by changing the amount of gas mixed with the water.
In this experiment very little gas would be able to dissolve
into the liquid because of the high water cut and the fact that
this particular gas is substantially insoluble in water. In each
case the x-axis shows the nominal GVF of the multiphase
mixture i.e. the percentage of gas by volume at the pressure
and temperature conditions of the Coriolis flowtube, assum-
ing that all the gas injected into the liquid stream remains
free, without any gas being dissolved. The default assump-
tion inherent in the prior art is that all gas injected into the
liquid, as measured by the reference gas meter, remains as
free gas in the multiphase mixture and therefore contributes
towards the nominal GVF of the multiphase mixture. In
FIGS. 6-9 no distinction is shown between different liquid
flow rates, water cuts, or other conditions under which the
meter is operated. This data illustrates the expected behavior
of a Coriolis meter when free gas is added to a liquid.

The drive gain (FIG. 6) is shown on a logarithmic scale,
and indicates the amount of energy required to maintain
flowtube oscillation. As various definitions of drive gain
may be used, the expression applied here is as follows:

drive gain=(drive current (amps))/(sensor voltage
™)

There is a considerable spread of drive gain values at zero
nominal GVF. Some of this may be caused by marginal
quantities of gas still present in the liquid after the reference
gas supply has been cut off during a series of experiments.
Nevertheless there is a clear gap between the drive gain
values at zero and non-zero nominal GVF. With the excep-
tion of two points, all non-zero GVF points have higher
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drive gain than all the zero GVF points. The data suggests
very roughly an order of magnitude (i.e. a factor of ten)
increase in the drive gain with the onset of any free gas.
More generally, while the exact values of the drive gain may
vary significantly for different flowmeter designs, flowtube
orientations and other factors, a substantial rise in drive gain
is commonly observed when free gas mixed with liquid
passes through the Coriolis meter.

The density drop is shown in FIG. 7. Here the density
drop is defined as follows:

density drop=(p~p,)/px100 percent

where p,is the density of the liquid only (note that this
may be a mixture of water and oil, depending upon the water
cut) and p,, is the apparent or observed density generated by
the Coriolis mass flow meter. Note that by convention the
density drop is shown as positive when the observed density
reading falls below that of the fluid density. As expected, the
density drop at zero GVF is also zero, but as the GVF
increases from zero the density drop rises quickly, indicating
that the presence of free gas results in a drop in the observed
density reading.

FIGS. 8 and 9 show the mass flow and density errors for
the Coriolis meter, defined as follows:

density error=(p,—p,,)/P,.x100 percent

mass flow error=(m,-,,)/m,,x100 percent m

where p,, is the calculated true density of the multiphase
mixture, 1h,, is the true mass flow of the multiphase mixture,
and 11, is the apparent mass flow rate from the Coriolis mass
flow meter.

The mass flow and density errors show very broadly
similar behavior, starting at zero for zero GVF and dropping
rapidly for low but non-zero GVF, before spreading out to
form a wider range of errors.

FIGS. 10-13 show the corresponding behavior for drive
gain, density drop, mass flow error and density error for the
same flowmeter over the same range of GVF and volumetric
flow rate, but with low water cut (i.e., oil continuous flow),
which results in some of the gas measured by the reference
gas meter prior to injection being dissolved into the liquid
before reaching the Coriolis meter. In each case the x-axis
shows the nominal GVF, assuming all gas measured by the
reference gas meter remains free and does not go into
solution.

In FIG. 10, in comparison with FIG. 6, there is no longer
a clear distinction between the drive gain values for zero
GVF and slightly above-zero GVF. When the nominal GVF
exceeds about 8 percent, however, the drive gain is consis-
tently above the range of values observed at zero GVF. This
indicates some of the gas must be going into solution, as the
effect of free gas on the drive gain is always significant for
low viscosity fluids. In particular, it appears that almost all
of'the gas goes into solution when the nominal GVF is about
8 percent or less.

In FIG. 11, (compare with FIG. 7), there is negligible
density drop as the nominal GVF increases from O percent
to about 5 percent. The density drop is not consistently
above zero until about 10% nominal GVF. Because the
density drop is based on deviation from the pure fluid
density, this graph shows that for up to about 5 percent
nominal GVF, the reported mixture density is the same as
that of the pure liquid. This also indicates at least some of the
gas is going into solution.

In FIG. 12, (compare with FIG. 8), the mass flow rate
error is close to zero for low nominal GVFs up to about 5
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percent, and only when the nominal GVF is in excess of
about 15 percent is the corresponding mass flow error
consistently less than zero. Again, this indicates some of the
gas is going into solution and is not free gas when it flows
through the Coriolis meter.

However, the greatest difference in behavior is shown in
the density error (FIG. 13, compare with FIG. 9), where the
density error for the liquid/gas mixture is consistently posi-
tive for nominal GVFs less than about 8 percent, and density
errors are only consistently negative for nominal GVFs
above about 20 percent. Clearly, if gas is being dissolved
into the liquid this will result in a positive shift in the density
measurement compared with a nominal mixture density
where it is assumed that all the gas is free. Thus, here again,
the results indicate some of the gas is dissolved as it flows
through the Coriolis meter.

Overall, the data illustrated in FIGS. 6-13 for this par-
ticular set of experiments show a clear difference in the
response of the Coriolis meter to, on the one hand, a
multiphase flow having near 100 percent water cut, where
the gas is substantially immiscible with the liquid and any
non-zero nominal GVF has an impact on the behavior of the
Coriolis meter (such as increased drive gain and density
drop, and negative mass flow and density errors), and on the
other a multiphase flow having near 0 percent water cut,
where the gas is miscible, and where for nominal GVFs of
up to about 5 percent there is limited or no impact on the
density drop and mass flow error. In essence, the Coriolis
meter simply fails to detect or respond to the presence of gas
dissolved in the liquid. Further, the results indicate that the
discrepancies between the nominal GVF and the actual GVF
during the development of empirically-based mass flow rate
and density corrections can introduce error into empirically-
based mass flow rate and density corrections developed
using experiments that do not address the issues associated
with dissolved gas.

Accordingly, to address this issue the quantity of dis-
solved gas is modeled from the known physical properties of
the liquid and gas phases, together with the observed tem-
perature and pressure conditions. A number of oil industry
models provide estimates of gas solubility and the resulting
change in the fluid density, for example “Correlations for
Fluid Physical Property Prediction”, M. E. Vasquez and H.
D. Beggs, JPT 968-70, June 1980. The results described
herein are based on a black oil model which provides a PVT
calculation based on bulk properties of the gas, oil and water
phases. This model is practical for oil and gas production
applications where the bulk fluid composition can change
quickly due to slugging or changes in the operating condi-
tions. A compositional model could be used with the same
methodologies and would be appropriate for applications
with constant compositions or on-line compositional mea-
surements, such as medical applications.

Thus, instead of using nominal GVF when developing
empirically-based mass flow rate and density corrections for
a Coriolis meter, the level of free gas flowing through the
Coriolis meter is calculated based on the reference measure-
ment of total gas flow and the gas solubility model. Then the
response of the Coriolis meter to free gas can be modeled
better, which results more accurate corrections for mass flow
rate and density errors associated with free gas.

Empirical mass flow rate and density corrections for a
Coriolis meter may be implemented in the form of a map-
ping between a given set of inputs (e.g., phase difference
between sensor signals, frequency of flowtube oscillation,
temperature, pressure, drive gain, etc.) to a set of outputs
(e.g., corrected mass flow rate and corrected density). For
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example, a neural network can be used. In general the inputs
to a neural network are based on data available to the
metering system, either through raw measurements or cal-
culations based on these measurements. The inputs are
selected to provide a smooth, continuous input in relation to
the outputs. A common neural network design for gas-liquid
mixtures is shown in FIG. 14. Note that two separate neural
networks are used for the mass flow rate correction and the
density correction, which is represented in FIG. 14 by the
horizontal line in the box for the neural network. One
example of a method for training and using this neural
network for use with immiscible fluids is outlined in FIG.
15. The equations used in each step are defined in Table 2,
which is provided at the end of the detailed description
portion of the specification. For immiscible fluids (for
example where the liquid is predominately water), the phase
mass flow rates are the same for standard and actual con-
ditions.

When gas dissolves in the liquid, the same neural network
design can be used in combination with a PVT model. For
example, the black oil model uses correlations or tabular
data to estimate the amount of dissolved gas and density
changes at different temperatures and pressures. The density
of the in-situ free gas phase can be determined using the
AGA8 model, for example, although other correlations
could also be used instead.

Many correlations are available for the black oil model.
One example is the Vazquez model. Key parameters in the
black oil model are:

(1) Poses Powser Pgs—standard liquid, gas and water
densities used to define the fluids. This is normal input data
for the meter. These densities are converted from the meter
input standard temperature to 60° F. for use in the correla-
tions.

(i1) GOR, the gas-oil ratio, is a measure of the gas to oil
production rates at standard conditions. This is obtained
from surface measurements on the separate gas and liquid
phases over a period of time.

(ii1) R, the solution gas-oil ratio, accounts for gas that is
dissolved in the oil on a volumetric basis. This relationship
can be rearranged to predict the bubble point pressure. A free
gas phase is present at pressures lower the bubble point
pressure. At pressures above the bubble point pressure, the
gas is under saturated and the amount dissolved is limited by
the GOR.

(iv) B,, the formation volume factor, adjusts the oil
density for the dissolved gas. The oil is lighter due to the
presence of dissolved gases, even at high pressures.

(v) R, and B,, are similar factors to account for gas
dissolved in water. Gas is far less soluble in water than oil
and can usually be neglected in the Coriolis application.

The model suitably includes a gas solubility tuning factor
that allows the model to be tuned to account for the fact that
actual petroleum fluids do not always behave in the same
way. Experiments can be run to improve the tuning of the
model for use with a particular set of petroleum fluids.
Alternatively, it is sometimes known within the oil and gas
industry what tuning factors work well with fluids from a
particular oil reservoir or region. The appropriate tuning
factors can be input based on this industry knowledge. The
tuning factor can be set to a nominal value of 1.0, which
matches typical properties of heavy crude oil. When the
tuning factor is set to zero, the model becomes an immis-
cible model. The tuning factor can be configured as a
function of water-cut. A commercial physical property cal-
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culation package, such as Schneider Electric SimSci™
PIPEPHASE, can be used to obtain full characterization of
multiphase phase flow.

An example of a miscible fluid neural network model is
shown in FIG. 16. One example of a method of training and
using this neural network is outlined in FIG. 17. The method
generally corresponds to the method outlined in FIG. 15, but
there are differences associated with inclusion of calcula-
tions for dissolved gas. The equations associated with the
miscible fluid neural network are listed in Table 3.

A simplified parametric model or look-up table based on
the correlations can be built into an online multiphase flow
meter. For an example, FIG. 18 shows curves illustrating the
calculated variation with pressure and temperature of the R
parameter with standard oil and gas densities. These curves
show that the amount of dissolved gas increases with
increasing pressure, but decreases with increasing tempera-
ture. Similarly, as illustrated in FIG. 19, curves can be
obtained for B, as a function of temperature and pressure.
After taking into account the tuning factor (CR,)}—the gas
saturated oil density reduces with increasing temperature
and dissolved gas, leading to increasing B,.

The dissolved gas model is suitably used during devel-
opment of the empirical mass flow rate and density correc-
tions for multiphase flow so that the inputs are more accurate
than in conventional techniques. For example, one set of
calculations are reproduced in Table 4 at the end of the
detailed description. Some things stand out in these example
calculations. For example, the liquid densities and GVFs
calculated with the benefit of the gas solubility model are
significantly different from the nominal values. While the
nominal value for liquid density was 830.3 kg/m>, the actual
liquid density as estimated with the benefit of the gas
solubility model was only 825.3 kg/m?. This is corroborated
by the scientific understanding that the inclusion of dis-
solved gas in the oil will reduce the density of the oil (e.g.,
from 797.5 kg/m> to about 791.7 kg/m> per the data from
Table 4). The actual GVF estimated with the benefit of the
gas solubility model (11.7 percent) was also much lower
than the nominal GVF (18.3) percent. This is consistent with
the data in FIGS. 6-13 indicating that at least some of the gas
does in fact dissolve into the oil during three-phase flow
trials in the laboratory.

Accordingly, the mass flow rate and density corrections
for multiphase flow can be improved using the techniques
described herein. Thus, the Coriolis meter 215 is suitably
configured to determine mass flow rates for oil, water, and/or
gas, and/or density using a mapping (e.g., neural network in
combination with gas solubility model) that accounts for the
effects of dissolved gas. This can result in a Coriolis meter
that provides more accurate mass flow rate and/or density
readings during multiphase flow.

The data in FIGS. 6-13 was generated using a particular
set of multiphase fluids comprised of o0il, water and gas from
the petroleum industry. It is understood that the effects of
dissolved gas can be different when different sets of multi-
phase fluids are involved in the process. For example,
carbon dioxide (CO,) dissolves easily in water, in contrast to
gas from petroleum wells. However, the same process can be
used to reduce the error associated with dissolved gas by
taking the different materials into account when selecting,
adapting, and or developing suitable model to account for
the presence of dissolved gas.

Application of Dissolved Gas Model in the Field

The preceding sections explain how to improve the accu-
racy and consistency of a Coriolis meter during multiphase
flow. However, it also possible to use a gas solubility model
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in the field to provide a measure of the amount of dissolved
gas in the fluids flowing through the Coriolis meter 215. The
gas solubility model used in the field can be the same model
used in the laboratory but it could be a different model. The
model used in the field could have a different tuning, or even
a different structure, than the model for the laboratory. The
dissolved gas model most appropriate for a lower pressure
laboratory used to develop the Coriolis meter 215 multi-
phase flow corrections might not be the most appropriate
model for on-line operation in a higher pressure upstream
application. However, the Coriolis meter’s response to free
gas should be the same, even though the quantity of any
dissolved gas may be different depending on the pressure.
This is because, as noted above, the Coriolis meter 215 is not
influenced much by the presence of dissolved gas. If desired,
the Coriolis meter 215 can be configured so one or more
tuning factors can be input or adjusted by a user. This can
facilitate deployment of the same Coriolis meter 215, or
same type of Coriolis meter, in different oil fields having
fluids that behave differently.

One method of applying a gas solubility model in real-
time includes the following steps: (i) determine the amount
of free gas (GVF) in the multiphase mixture based upon the
response of the Coriolis meter; (ii) use the gas solubility
model to calculate the amount of dissolved gas; and (iii)
calculate the total gas present from the free gas and the
dissolved gas. The processor 101 of the Coriolis meter 215
is suitably configured (e.g., programmed) to perform this
method and output the amount of dissolved gas and/or total
gas. For example, the processor 101 is suitably configured to
report the amount (flow rate and/or totalized over time) of
oil, water, and total gas (including both free gas and dis-
solved gas) at standard conditions.

Skid Design

Multiphase flow regimes of (e.g., oil, water, and gas) can
present challenges for accurately measuring the flow rates of
the liquid and gas components with a Coriolis mass flow
meter and Water-Cut meter (measuring water-liquid volume
flow ratio at line conditions) metering system. Specifically,
variations in the flow regime can create slip conditions
where the gas phase velocity can vary significantly from that
of the oil and water liquid phase, rendering accurate meter-
ing more difficult.

Water-Cut meters operate best with a well-mixed stream
of oil and water. When the flow regime includes significant
slugging, it can be desirable to prevent Coriolis meters and
water cut meters from being subject to positive and then
negative flow rates, as might occur if the meter were
positioned on the upward leg of a skid. It is also desirable
that Coriolis meters are drained properly in zero flow
conditions because a partially filled flowtube can create
large flow rate and density errors when there is no fluid
flowing through the partially filled flowtube.

FIGS. 20 and 21 show a net oil and gas skid 121 (which
is a multiphase metering system) designed to minimize the
potential slip condition between gas and liquid phases. The
net oil and gas skid 121 includes the Coriolis meter 215, a
water cut meter 145 positioned to measure the water cut of
fluid, a temperature sensor 147 positioned to measure the
temperature of the fluid, and a pressure sensor 149 posi-
tioned to measure the pressure of the fluid. It can also be
desirable to measure differential pressure across the flow-
tube because this can facilitate performing gas calculations
using the average pressure in the flowtube rather than just
the pressure at the flowtube entrance, at the flowtube exit, or
at some other specific location. A net oil computer 151
(broadly, a processor) is mounted on the skid 121. The net
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oil computer 151 is configured to receive signals from the
Coriolis meter 215, water cut meter 145, temperature sensor
147, and pressure sensor 149, along with any other mea-
surement devices that may be included on the skid 121. The
net oil computer 151 suitably integrates information from all
of the devices 215, 145, 147, 149, etc. and performs any
calculations that have not already been performed by the
devices needed to determine flow rate and density of the
fluid flowing through the skid 121. The net oil computer 151
suitably outputs current flow rate for oil, water and gas
independently of one another. The net oil computer 151
suitably also outputs total flow for oil, water, and gas for one
or more time periods. The processing required to operate the
Coriolis meter 215 and the net oil computer 151 is suitably
performed by one or more processors. For example, some of
the calculations may be performed in a transmitter of the
Coriolis meter 215 while other calculations are performed in
a separate processor. It is understood that there is flexibility
in where the various calculations and other processing
activities required are carried out and the particular choices
described in the embodiment detailed herein should not be
considered limiting.

The net oil and gas skid 121 is configured to maintain a
conditioned flow profile as a multiphase fluid flows through
the skid. A flow conditioner 153 (FIG. 22) is positioned
along the top section of the skid 121 to receive the multi-
phase fluid flowing through the skid to mix the fluid before
it reaches the flowtube of the Coriolis meter 215 and before
it reaches the water cut meter 145. As illustrated in FIG. 22,
the flow conditioner 153 suitably includes a plurality of tabs
155 projecting inwardly from the wall 157 of a conduit 159
positioned to convey the multiphase fluid through the skid
121. The tabs 155 generate turbulence in the flowing fluid,
which results in mixing of the fluid. It is understood that
other types of flow conditioners could be used instead of the
flow conditioner 153 illustrated in FIG. 22.

The conduit 159 is also configured to have a rise and fall
in the skid 121, which tends to disrupt any slip condition
developed in the flow. For example, one leg 161 of the
conduit 159 extends upwardly and another leg 163 of the
conduit extends downwardly. A horizontal section 165 of the
conduit connects the upward and downward legs 161, 163 to
one another. The rise and fall of fluid as it flows through
these segments 161, 163, 165 helps facilitate good mixing of
the gas a liquid phases.

The water cut meter 145 is downstream of the Coriolis
meter 215. The fluid is also mixed as it flows through the
flowtube of the Coriolis meter 215 due to the bends therein.
Thus, the Coriolis meter 215 also helps ensure the fluid is
sufficiently mixed when it reaches the water cut meter 215.

In the net oil and gas skid 121 illustrated in FIGS. 20 and
21, the Coriolis meter 215 and water cut meter 145 are
installed in the downward leg 163 of the conduit 159, which
can be desirable to limit the amount of reverse flow through
the Coriolis meter 215 and water cut meter 145 (e.g., in cases
where slugging conditions are frequently encountered).
However, it is understood that it may be desirable to install
the Coriolis meter 215 elsewhere in a net oil and gas skid,
such as on the upward leg or horizontal leg. Likewise, the
water cut meter 145, temperature sensor 147, and pressure
sensor 149 can be installed at other locations than those
illustrated in FIGS. 21 and 22 if desired.

The operational range of the net oil and gas skid 121 may
be increased for high gas flow, high GVF flows by the
inclusion of a compact partial separation system 171
upstream of the skid, as illustrated in FIG. 23. The purpose
of the separator is to reduce the quantity of free gas in the
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liquid stream provided to the Coriolis meter 215 and the
other components of the 121. The separator 171 has a gas
output 173 and a liquid output 175. The liquid output 175 is
directed from the separator 171 to the flowtube of the
Coriolis meter 215 and the gas output is diverted from the
flowtube to reduce the amount of free gas in the multiphase
fluid before it flows through the flowtube. The separator 171
may lack the capacity to achieve complete separation of the
gas and liquids, but this is not a problem because the
capability of the net oil and gas skid 121 to handle multi-
phase flow. A separator 171 designed to achieve only partial
separation can be advantageous because of its reduced size,
cost, and complexity. Thus, in some instances it may be
desirable to use a separator 171 that lacks capacity to
achieve complete separation.

Another Coriolis meter 215', which may be identical to
the Coriolis meter 215 described above is positioned to
meter the gas output from the separator 171. It is understood
that the gas output 175 can be metered by a different type of
meter, including a meter that is not a Coriolis meter if
desired. However, it may be desirable in some cases to use
a Coriolis meter to meter the gas output 175 from the
separator 171 because a control system (not shown) of the
separator can monitor the density readings and drive gain of
the Coriolis meter to detect any liquid carry-over (i.e., liquid
that is undesirably included in the gas output). Short-term
occurrences of liquid carry-over are to be expected from
time to time, during which the measurement from the system
would become invalid if undetected. When these liquid
carry-over events are detected (e.g., by monitoring the
density readings and drive gain of the Coriolis meter 215"),
a SEVA approach, as described in U.S. Pat. No. 5,570,300
(the contents of which are incorporated by reference), can be
adopted where the measurement state can be temporarily set
to “DAZZLED”, and the system output may be replaced by
the current test average, or a recent average of known
reliable data. The cumulative duration of liquid carry-over
events is suitably recorded and reported to the operator so
that its impact on the overall test can be taken into consid-
eration.

When introducing elements of aspects of the invention or
the embodiments thereof, the articles “a,” “an,” “the,” and
“said” are intended to mean that there are one or more of the
elements. The terms “comprising,” “including,” and “hav-
ing” are intended to be inclusive and mean that there may be
additional elements other than the listed elements.

In view of the above, it will be seen that several advan-
tages of the aspects of the invention are achieved and other
advantageous results attained.

Not all of the depicted components illustrated or
described may be required. In addition, some implementa-
tions and embodiments may include additional components.
Variations in the arrangement and type of the components
may be made without departing from the spirit or scope of
the claims as set forth herein. Additional, different or fewer
components may be provided and components may be
combined. Alternatively or in addition, a component may be
implemented by several components.

The above description illustrates the aspects of the inven-
tion by way of example and not by way of limitation. This
description enables one skilled in the art to make and use the
aspects of the invention, and describes several embodiments,
adaptations, variations, alternatives and uses of the aspects
of the invention, including what is presently believed to be
the best mode of carrying out the aspects of the invention.
Additionally, it is to be understood that the aspects of the
invention are not limited in application to the details of
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construction and the arrangement of components set forth in

18
TABLE 1-continued

the following description or illustrated in the drawings. The
Nomenclature

aspects of the invention are capable of other embodiments
and of being practiced or carried out in various ways. Also,

‘ . : Variable Description Units
it will be understood that the phraseology and terminology 3
P GRS GV F Gas Volume Flow Fraction Volume %
used herein is fo.r ﬂ.l? purpose of description and should not IV T Liquid Volume Flow Fraction Volume %
be regarded as limiting. 1 ase. condirions Mass flow rate kg/s
Having described aspects of the invention in detail, it will Phasz oil i;iﬁfﬁn "
be apparent that modifications and variations are possible |, W water
without departing from the scope of aspects of the invention g gas
as defined in the appended claims. It is contemplated that ef ga: f;ezﬂ
. . . o a
various changes could b? made in the.: above constructions, gw ias in water
products, and process without departing from the scope of 1 liquid
aspects of the invention. In the preceding specification, 15 m - mixture
. £ d bodi ts h b d ‘bed with Conditions
various preferred embodiments have been described wi sc  standard conditions

reference to the accompanying drawings. It will, however, ac  actual conditions

. . . . : : 3
be evident that various modifications and changes may be Prans l\glm}re ;;lw measured density };g/m
made thereto, and additional embodiments may be imple- Parep ensity drop .
. . Pphase, conditions  Phase density kg/m
mented, without departing from the broader scope of the 20 Phase
aspects of the invention as set forth in the claims that follow. o oil
The specification and drawings are accordingly to be ;V ;V;Ster
regarded in an illustrative rather than restrictive sense. 1 liquid
. . . m mixture
The .Abstract is provided tq help the reade.r qulck.ly 25 Condifions
ascertain the nature of the technical disclosure. It is submit- sc  standard conditions
ted with the understanding that it will not be used to interpret ac  actual conditions
s : : P Absolute Pressure of fluid kPa
or limit the scope or meaning of the claims. P, Pressre at standard conditions
Qe condiions Volume flow rate kes
TABLE 1 30 Phase
o oil
Nomenclature w water
g gas
Variable Description Units gf gas free
1 liquid
B, Oil Formation Volume Factor [dimensionless] 35 m mixture
B,, Water Formation Volume Factor [dimensionless] Conditions
Corrections sc standard conditions
ac actual conditions
Cae Coriolis NN correction for total fluid Percent % R, Solution gas oil ratio (standard m?/m?
Cr density Percent % conditions)
Cps Coriolis NN correction for total mass  [dimensionless] R, Solution gas water ratio (standard m?/m?
Czy flow [dimensionless] 40 conditions)
Black oil tuning for dissolved gas in oil T Temperature of fluid °C.orK
Black oil tuning for dissolved gas in T, Temperature at standard conditions
water Time Time seconds
Laboratory fluids with approx. 20% W Water cut - Instrument measurement Vol/Vol %
solubility compared to hydrocarbon gas May be corrected by NN
in Vazquez model, are accommodated 45 WTpjase Measured weight of phase over time kg
by setting Gas often
Cpgs = 0.2. This tuning factor may be reported in g
defined as a function of the measured Z Gas non ideal compressibility factor
water cut.
TABLE 2
Steps in neural network calculations—Immiscible Fluids
Calculation Description Equation
1. NN Input Oil density, ac Poae =TT, Pose)
lab polynomial fit
2. Water density, ac Prae =TT, Pose)
lab polynomial fit
3. Gas density, ac (For P.c To
this NN, used later) Pg = Pgsc *Z*(P_o) *(T_ac)
Z calculated from AGAS8 or similar PVT models
4. Water cut adjustment W, .=f(T...)

lab tuning NN
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TABLE 2-continued

Steps in neural network calculations—Immiscible Fluids

Calculation Description Equation
s. Liquid density, ac o Wer L (100- W)
Plac = Pwac T00 Po> — 100
6. Density drop (Plac = Pra)
Parop = 100 % —
7. NN Target Prep  Reference phase mass . WT piase
flow rates (from total Mphase,sc = ATime

reference measurements

3. Reference total mass m, = M, . + M, o + Mg,
flow rate
9. Reference phase M phase.sc
volume rates Qphaxe.ac =—
Pphaseac
10. Reference mixture s
density, ac Pmac = T
b " Qe + Qe + Q)
11. NN Target NN density correction Prmac
target Ce arger = 100 % m
12. NN Targets NN mass flow e
correction target Conf arger = 1005 ——
Mygw
13. NN Corrections NN density correction Cge = M, rs Paropr Werd)
14. NN mass flow Corp= T, 5 Pitropr W)
correction
15. Rate Calculations Mixture density, ac Coe * Praw
Pmac = T
16. Mixture mass flow Conf # ey
rate my, = T
17. Mixture volume flow fiy,
rate, ac Qo = —
Pmac
18. {;Ciquid volume fraction, — (Omac = Pgac)
(Prac = Pg.ac)
19. Oil mass flow rate (100 = W)
M ze =t ¢ LVF* Qe e
20. ‘Water mass flow rate Weur
e = Toa LV Qe Prine
21. Gas mass flow rate lgae = (1FLVE) * Qe * Pg e
TABLE 3
Steps in neural network calculations—miscible fluids
Calculation Description Equation
1. NN Input Oil density, ac (no dissolved gas) Poac = {(T, Pose)
lab polynomial fit
2. Water density, ac (no dissolved gas) Prae = 1T Pose)
lab polynomial fit
3. Gas density, ac (For this NN, used

later)

Py :pg,xc*z*(%)*(%)

Z calculated from AGA or similar PVT model

20
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TABLE 3-continued

Steps in neural network calculations—miscible fluids

Calculation Description Equation
4. Water cut adjustment W, .=fT...)
lab tuning NN
5. Liquid density, ac (no dissolved gas) Wew (100 =W ,)
Plac = Pwac * 100 + 0o, aC# T
6. Density drop (Phac = Praw)
Parop = 100 % —————
P
7. NN Target Prep Reference phase mass flow rates WT pase

11.

. NN Target

. NN Target

. NN Corrections

21.

22.

23.

(from total reference measurements)

Reference total mass flow rate

Reference phase volumn rates at sc

Reference Gas oil ratio

Black oil Parameters

R, Solution gas oil ratio

B, Oil formation volume factor

R,, Solution gas water ratio

B,, Water formation volume factor
(see Table 4 for example calculations)
Gas Rates in each phase
Volume basis mode is relative to sc
Convert to actual mass rates

Free gas training check

Phase volume flow rate, ac

Reference Mixture density, ac

NN density correction target

NN mass flow correction target

NN density correction
NN mass flow correction

Mixture density, ac

Mixture mass flow rate

Mixture volume flow rate, ac

Black oil Parameters R; B, R,, B,,

Mppase,sc = ATime
m,, = Mg g + M, o + Mg oo

Mphase.sc

Qurasesc =
7 Pphase,sc

fPg.ser Prser B T)

B,, =R, Pgccr Proscr 1)

Qgose =R * Qosc
Qowse =Ry, * Qe

Qgpeese = Qase = Quose = Qawse
Mgo.ac = Rgosc ~ Pg.sc
Mey.ac = Regw.se ~ Pgse

M fpeqe = Mg = My oo = 1, 4
If Mgpep 4o < 0 = Undersaturated
If undersaturated . . .
Gas flow rate range from O-saturation gas
Apply model of degree of undersaturation or
eliminate point from NN modelling process.

Qoac =Bo#Q,
Qe =Bw Qi
Mgfree.ac
Q =
gfree.ac Dee
e = M sc
mac = T~ o~ o~
Qe + Qe + QLpreciac)
Pm,ac

Cde,rarger =100« —
Praw

1y,
Cmf,rarger =100+ _SC

Mygw

Cg = f(f%?mwa Paropr Wewsd
Corp= TN Patrops W)

_ Cae * praw
P = ~T55
) Copyp # MMy
M = 100
iy,
Quac =
Prngc

Refer to equations in step 11

22
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TABLE 3-continued

24

Steps in neural network calculations—miscible fluids

Calculation Description Equation
24, Phase density, ac Posc
Poae = J
o
Pw,sc
Puac =g
Weu (100 - W)
Prac = Pwac * T00 + Qo> aC ST
Pooy 1 To
Pg = PgscxLx (P_o) * (Tac )
25. Liquid volume fraction, ac — (Pmac = Pgac)
(Prac = Pg.ac)
26. Phase volume flow rate, ac (100 - W)
Qoo = =g *LVF*Quac
W,
Quac = o ¥ LVF+Q,
Qgrecac = (1 =LVE)2Q, 4
27. Gas rates in each phase See Step 12
28. Free gas measurement check If Gain < GainTol — Undersaturated
Recommended GainTol 2X water
default for tube
If under saturated . . . Gas flow rate
range from O-saturation gas
Liquid density based on user GOR if given.
If not given, single phase correlation used
No comparison to lab data for gas rates
Report options for gas rate . . . User GOR
for gas rate at sc N/A or < Saturated value
or 2-4 region estimates based on gain
29. Phase mass flow rate, sc My e = Mg e — Mo ae
These are compared to reference data W, o =M, 4 = ey e
Mg o = Mg o + Mgy go + I, 4
30. Phase volume flow rate, sc h
; phase.sc
For reporting Qurasesc = ———
Pphase,sc
40
TABLE 4 TABLE 4-continued
Example calculations for laboratory trials: Example calculations for laboratory trials:
Std. Oil density at 60° F. 814.6 kg/m3 For comparison, assuming no dissolved gas,
Std. Gas density at 60° F., 101.325 kPa abs. 1.223 kg/m3 45 the following would have been calculated
Actual Pressure 400.0 kPa
Actual Temperature 40.0 °C. Oil density 797.5 kg/m3
Tuning constant for gas in oil CR, 0.20 Liquid volume flow 0.006022 m3/s
Calculated actual Oil R, 0.408 Water Cut 16.7 %
Calculated gas saturated Oil B, 1.029 Liquid density 830.3 kg/m3
Calculated actual gas saturated Oil density 791.7 kg/m3 50 Gas \folume flow 0.001348 m3/s
Assume known true Oil mass flow rate 4.0 kg/s ‘anlnal GV.F’ 18.3 %
Oil std. volume flow rate 0.004911 m3/s Mixture density 679.2 })ig/ m3
Calc. saturated gas std. volume flow 0.002002 m3/s Density drop 18.2 %
Calc. saturated gas mass flow 2.448 g/s
Now, ignoring negligible dissolved gas in water
55
Assume known true Water mass flow rate 1.0 kg/s What is claimed is:
Actual water density, calc. at line temperature 994.2 kg/m3 1.A system metering flow of a fluid, the system COIan‘iS-
Cale. Liquid volume flow rate 0.006059 m3/s ing'
Calc. Water Cut (actual volumetric flow ratio) 16.6 % ’ ib ble fl be fi .. ltinh fluid
Cale. Liquid density 825.3 ke/m3 a vi ratg .e Oth.l 5] gr .recelvmg a multiphase tlu1
Assume known true Gas mass flow rate 6.0 g/s 60 comprising multlple hqulds and a gas;
Free Gas mass flow rate 3.552 g a driver configured to vibrate the flowtube;
Free Gas density, calc. at line pressure and 44 kg/m3 a pair of motion sensors configured to detect movement of
temperature the flowtube at different locations on the flowtube and
Free Gas volume flow rate 0.000798 m3/s . g .
Cale. Free Gas GVE 17 % output sensor signals indicative of the detected move-
Calc. mixture density 732.0 kg/m3 65 ment;
Calc. density drop 11.6 % a pressure sensor configured to measure a pressure of the

multiphase fluid;
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a temperature sensor configured to measure a temperature

of the multiphase fluid; and

one or more processors configured to:

receive a signal from the pressure sensor indicative of the

pressure of the multiphase fluid in the flowtube;
receive a signal from the temperature sensor indicative of
the temperature of the multiphase fluid in the flowtube;
receive a signal from a meter indicative of relative
amounts of the multiple different liquids in the multi-
phase fluid; and

determine fluid flow rates for each of said multiple

different liquids using a mapping between a plurality of
inputs and said fluid flow rates of the different liquids,
said inputs comprising a phase difference between the
motion sensor signals, a frequency of at least one of the
motion sensors signals, the signal from the temperature
sensor, the signal from the pressure sensor, and the
signal from said meter indicative of the relative
amounts of the multiple different liquids, wherein the
mapping accounts for solubility of the gas in the
multiple different liquids.

2. A system as set forth in claim 1 wherein the mapping
comprises a neural network.

3. A system as set forth in claim 1 wherein the mapping
is based in part on a gas solubility model.

4. A system as set forth in claim 1 wherein said one or
more processors are configured to determine an amount of
dissolved gas in the multiphase fluid using the pressure of
the fluid, the temperature of the fluid, and the relative
amounts of the multiple liquids in the multiphase fluid.

5. A method of metering flow of a multiphase fluid, the
method comprising:

vibrating a flowtube while the multiphase fluid flows

through the flowtube;

using a pair of sensors to detect movement of the flowtube

at different locations on the flowtube and outputting a
sensor signal from each sensor;

measuring a pressure of the multiphase fluid;
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measuring a temperature of the multiphase fluid;

measuring relative amounts of multiple different liquids in

the multiphase flow;

determining a flow rate based on a phase difference

between the sensor signals; and

determining an amount of dissolved gas in the multiphase

fluid using the temperature and pressure of the fluid,
wherein determining the amount of dissolved gas in the
multiphase fluid comprises using a mapping between a
plurality of inputs and a plurality of outputs, and
wherein the mapping includes a gas solubility model.

6. A method as set forth in claim 5 the mapping comprises
a neural network that has been trained using empirical data
that accounts for the effects of dissolved gas using the gas
solubility model.

7. A method as set forth in claim 6 wherein the gas
solubility model is a first gas solubility model and the
mapping comprises a neural network that has been trained
using empirical data that accounts for the effects of dissolved
gas using a second gas solubility model that is different from
the first gas solubility model.

8. A method as set forth in claim 5 further comprising
determining an amount of free gas in the multiphase fluid.

9. A method as set forth in claim 8 further comprising
using the amounts determined for dissolved gas and free gas
to determine the amount of total gas in the multiphase fluid.

10. A method as set forth in claim 5 further comprising
flowing the multiphase fluid through a flow conditioner
upstream of the flowtube.

11. A method as set forth in claim 5 further comprising
using a separator upstream of the flowtube to separate at
least some free gas in the multiphase fluid from the liquid
phase and diverting the separated gas to reduce the amount
of free gas in the multiphase fluid before it flows through the
flowtube.

12. A method as set forth in claim 5 wherein the multiple
different liquids include water and oil.

#* #* #* #* #*



